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I. INTRODUCTION 
 
 Exploration for oil and gas begins with a contract between the owner of the 
minerals and the party desiring to drill.  This contract is called an oil and gas lease.  As 
with any other contract, the oil and gas lease can be negotiated in unique detail.  
However, this is not the normal practice.  Most oil and gas leases are on preprinted 
forms with blanks for negotiated economic provisions such as bonus,1 delay rentals,2 
and royalty.3  Once the oil and gas lease is finalized, the lessee is referred to as the 
working interest owner,4 and the lessor is referred to as the royalty owner.5  While the 
royalty clause clearly states the percentage of proceeds the royalty owner is entitled to 
receive, in many leases it lacks sufficient detail to ascertain the parties’ intent for 
allocation of costs of compression associated with the marketing of natural gas.  Thus, 
litigation has resulted in Texas and Oklahoma as to the interpretation of oil and gas 
lease royalty clauses for purposes of determining who pays for costs of natural gas 
compression. 
 Interestingly, when interpreting similar clauses, Texas courts generally require that 
the royalty owner share in the compression costs while Oklahoma courts do not.  This 
paper looks at the nature of compression and then compares Texas and Oklahoma cases 
that interpret allocation of compression costs based on royalty clauses in oil and gas 
leases. 
 

II. NATURAL GAS AND COMPRESSION 
 
 As of 2007, Texas had 76,436 producing gas wells, the most of all gas-producing 

                                                   
 
 
*J.D., Professor of Legal Studies, Midwestern State University. 
**J.D., LLM, Ph.D.,, Assistant Professor of Finance, University of Central Oklahoma.  
1 The bonus usually takes the form of a cash consideration paid by the lessee for the execution of an 
oil and gas lease by a landowner.  The bonus is usually figured on a per acre basis.  PATRICK H. 
MARTIN & BRUCE M. KRAMER, WILLIAMS AND MEYERS MANUAL OF OIL AND GAS TERMS, 9 (13th ed. 
2006). 
2 A delay rental is the sum of money payable to the lessor by the lessee for the privilege of deferring 
the commencement of drilling operations or the commencement of production during the primary 
term of the lease.  Id. at 248. 
3 The royalty is the landowner’s share of production revenues, free of expenses of production.  Id. at 
920.  
4 The owner of the working interest has the exclusive to exploit the minerals on the land.  This 
interest bares all the costs of production and is held subject to the payment of royalties.  Id at 1158. 
5 A royalty owner  owns the royalty interest in production.  Id. at 926. 
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states.  Oklahoma, for the same period, had 38,364 producing gas wells, which ranked it 
fourth.6  Raw natural gas from these wells is not the natural gas used by consumers in 
homes and businesses.  The end product that consumers use is 90% clean-burning 
methane, a processed gas very different from what comes to the earth’s surface upon a 
well’s completion.7  Depending on the condition of the raw natural gas, different post-
production activities are required to purify and transport the gas to the end user.8  
These activities start at the well and continue as the gas travels in gathering pipelines.9  
Post-production purifying activities are needed to achieve pipeline-quality dry natural 
gas.  These activities include separation of hydrocarbons and removal of contaminates.  
Post-production transportation activities include gathering and compression.10 
 Because gas is neither solid nor liquid, it presents a unique transportation problem.  
In most cases, economic efficiency requires that gas be delivered to market by pipeline.  
In order for gas to be delivered into a pipeline, it must have more pressure than the 
pipeline receiving it.  Newly completed gas wells often have more pressure than is safe 
to inject into a pipeline and so they have to be choked.11  However, as the life of the well 
progresses, pressure decreases.  When the pressure at the well’s mouth is less than the 
pipeline’s pressure, the gas has to be compressed. 
 The American Gas Association (AGA) defines compression as “the action on a 
material which decreases its volume as the pressure to which it is subjected increases.”12  
Compression is done by a compression station, which the AGA defines as “any 
permanent combination of facilities which supplies the energy to move gas at increased 
pressure from fields, in transmission lines, or into storage.”13  Building such a station 
involves significant expenses, including the cost of the compressor, the labor involved 
in installation and maintenance, and the fuel used to operate the compressor.  The 
question arises: Who pays for these expenses?  The answer requires the working 
interest owner and the royalty owner to review the royalty clause in their oil and gas 
contract.  In most oil and gas royalty clauses, the specifics as to allocation of 
compression costs are not covered.  Thus, courts must allocate the costs according to 
either the language of the lease or by application of implied covenants.  Looking at each 
lease, the courts must determine whether the costs lie solely with the working interest 
owner or whether they should be borne proportionately by both the royalty owner and 
the working interest owner. 
 

III. THE GAS ROYALTY CLAUSE 
 
 Most oil and gas leases, all of which contain royalty clauses, are on preprinted 

                                                   
 
 
6 Official Energy Statistics from the U.S. Government, Energy Information Administration (2009), at 
http:www.tonto.eia.doe.gov/dnav/ng/ng_prod_wells_sl_a.htm (last visited Mar. 4, 2009). 
7 Processing Natural Gas, Natural Gas. Org. (2004), 
http://www.naturalgas.org/naturalgas/processing_ ng.asp (last visited Mar. 4, 2009). 
8 Id. 
9 Id. 
10 Id. 
11 Choking is accomplished by placing heavy steel nipples into the production string of pipe, 
closing off the flow except through an orifice in the nipple.  These orifices are of various sizes.  See 
MARTIN & KRAMER, supra note 1, at 148. 
12 Natural Gas Glossary, American Gas Association, www.aga.org (last visited Mar. 4, 2009). 
13 Id. 
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forms.  Contrary to the belief of many mineral owners, there is no standard form.  
Likewise, there is no statutory form or usual form.14  Almost every oil and gas company 
has its own printed form with tailored provisions usually lacking specificity in the 
royalty clause.  Problems with determining who pays compression costs arise in two 
instances.  The first happens when producers and mineral owners continue to use 
preprinted forms that do not specify compression cost allocation.  The second occurs 
when a new gas well is drilled on an older lease held by production.  These leases 
always lack specificity in the royalty clause. 
 The royalty clause in every oil and gas lease states the percentage of royalty the 
mineral owner is to receive.  A problem arises with calculation of the royalty when 
compression is necessary and its associated costs are not explicitly covered.  Thus, 
courts have to look at the exact language of the royalty clause or apply an implied 
covenant.  The vagueness of many royalty clauses is best summarized by Justice Owen 
in his concurring opinion in Heritage Res., Inc. v. NationsBank.15  He wrote: 
 

When examining decisions in this area, it must be borne in mind not 
all royalty clauses were created equal.  Some are based on 
“proceeds,” some on “amount realized,” while others are based on 
“market value.”  Some specify the point at which the value of the 
royalty is determined, such as “at the well.”  Some do not.  Some 
leases have more than one method for valuing royalty depending on 
whether the gas is sold on or off the leased premises or is sold at the 
well.16 

 
 As discussed previously, compression costs often become part of the expenditures 
necessary to transport gas to market.  These costs often are substantial.  It is to the 
economic advantage of the working interest owner to require the royalty owner to pay 
his proportionate cost.  Conversely, it is to the economic advantage of the royalty owner 
not to have to pay his proportionate share.  Additionally, cost allocation can affect when 
the lease expires.  Most leases expire when they no longer produce in paying 
quantities.17  Compression costs not proportionately shared by royalty owners can add 
significantly to an operator’s production outlay.  This, in turn, can cause marginal wells, 
or wells in later stages of production, to cease to produce in paying quantities, thus 
ending the lease. 

                                                   
 
 
14 Flagg v. Texas Co., 57 S.W. 2d 87 (Tex. 1933) (holding invalid an option for an oil and gas lease 
which specified that the lease was to be prepared on “an 88 form lease” due to such description 
lacking certainty, there being many “Form 88” types of leases). 
15 939 S.W. 2d 118 (Tex. 1996). 
16 Id. at 125 (Owens, J., concurring). 
17 Paying quantities is determined “not only by the amount of production but also the ability to 
market the gas at a profit.  Whether there is reasonable basis for the expectation of profitable 
returns from the well is the test.  If the quality is sufficient to warrant the use of the gas in the 
market, and the income there from is in excess of the actual marketing cost, and the operation costs, 
the production satisfies the term ‘in paying quantities.”’ Clifton v. Koontz, 325 S.W.2d 684, 691 (Tex. 
1959).  “A lessee has only a limited estate following the expiration of the primary term of an oil and 
gas lease containing a ‘thereafter’ clause.  The estate arises, and its continuance hinges, upon the 
discovery of oil and gas and its production in paying quantities …” Townsend v. Creekmore, 332 
P.2d 35, 38 (Okla. 1958). 
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IV. TEXAS CASE LAW 
 
 Before 1995, Texas courts of appeals and federal courts applying Texas law, when 
confronted with the question of whether compression costs could be allocated to 
royalty owners, were not consistent in construing similar royalty clauses.18  Then in 
1995, a bellwether case issued by the Texas Supreme Court helped clarify the 
inconsistent case law.  The case was Judice v. Mewbourne Oil Co.19  Interpreting a royalty 
clause that did not speak directly to the deduction of compression costs, the court 
allowed cost deductions to royalty owners.  In this case, the court relied on Martin v. 
Glass,20signaling that the 1983 case correctly interpreted ambiguous royalty clauses with 
regard to compression costs.21  With Judice following the Martin case, confusion about 
previous inconsistencies in interpretation was ended. 
 

A. ROYALTY OWNERS SHARE IN COMPRESSION COSTS 
 
 Because of the Texas Supreme Court’s reliance on Martin in the Judice case, the 
details of the Martin case are important.  The 1972 Martin lease covered 711.25 acres in 
Jack County, Texas.  By 1976, the lessor, Glass, had drilled and completed two 
producing wells on the lease.  But there was insufficient wellhead pressure to cause gas 
to flow into the gathering pipeline, so compression was required in order to avoid 
having to flare the gas or shut the well in.  Defendant Glass decided to rent a 
compressor and build a compression station.  The cost was charged proportionately 
between the royalty owner Martin and the working interests.  The relevant part of the 
royalty clause in the lease read: “The royalties to be paid by Lessee are: … on gas, 
including casing-head gas or other gaseous substance, produced from said land and 
sold on or off the premises, one-eighth of the net proceeds at the well received from the 
sale thereof.” 
 Plaintiff Martin contended that the proceeds to be paid to the royalty owner were 
to be free and clear of all exploration, drilling, development, completion, operating, and 
compression costs.  Defendant Glass argued that the deduction of compression charges 
was authorized by the lease’s royalty provision.  The court agreed with defendant Glass 
that the compression costs were to be shared by the royalty owner proportionately.  The 
court noted that the key phrases in the royalty clause were “at the well received,” “the 
net proceeds,” and “sold on or off the premises.”22 
 The court then interpreted each phrase in accordance with its ordinary, popular, 
and commonly accepted meanings.  First the court focused on the issue of where the 
royalty clause fixed the point of pricing.  Looking at the phrase “at the well received,” 
the court concluded that the mouth of the well was the point at which the royalty price 
was to be fixed.  Accordingly, all costs to that point were borne solely by the working 
interest owner, but any costs after the gas reached the wellhead were shared 

                                                   
 
 
18 See, e.g., Miller v. Speed, 248 S.W. 2d 250 (Tex. Civ. App. -- Eastland 1952); Skaggs v. Heard, 172 F. 
Supp 813 (S.D. Tex. 1959); Texas Oil & Gas Corp. v. Hagen 683 S.W.2d 24 (Tex. App. – Texarkana 
1984). 
19 939 S.W.2d 133 (Tex. 1996). 
20 571 F. Supp. 1406 (N.D. Tex. 1983) aff’d 736 F.2d 1524 (5th Cir. 1984) (unpublished table opinion). 
21 Judice, 939 S.W.2d at 136. 
22 Martin, 571 F. Supp. at 1406. 
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proportionately.  Next, the court considered the phrase “net proceeds.”  Citing Blacks 
Law Dictionary, the court determined that net proceeds were gross proceeds less charges 
that may be deducted.23  Thus, the parties must have intended the deduction of 
expenses prior to the payment of the royalty.  Finally, the court reflected on the phrase 
“sold on or off the premises” and stated that it clearly implied that the value of the 
royalty would be the same no matter where the gas was sold.  Summarizing, the court 
stated:  
 

Regardless of whether the gas is sold on or off the leased premises, 
royalty is based on the value of all gas produced at the mouth of the 
well.  Costs incurred prior to production are to be borne by the 
operator, while costs incurred subsequent to production (those 
necessary to render the gas marketable) are to be borne on a pro rata 
basis between the operating and the nonoperating interests.24 

 
 The Judice case, which ultimately relied on Martin, involved three leases.  The 
royalty clauses in two of the leases were identical and stated: “To deliver to the credit of 
the Lessor…three thirty-seconds (3/32) … of the market value at the well of all gas 
produced, and saved from said leased premises.”  The lessee Mewborne contended that 
the clause allowed deduction of compression when calculating royalty owner payment.  
The lessor Judice contended otherwise.  The initial trial court determined that the lease 
was ambiguous and thus did not clearly allow deduction of compression costs, and the 
court of appeals affirmed that decision.  The Texas Supreme Court, following the 
rationale of the Martin case, reversed the lower courts, declaring: “The royalty is to be 
determined based on ‘market value at the well.’  This phrase means value at the well, 
net of any value added by compressing the gas after it leaves the wellhead.”25 
 A companion case decided by the Texas Supreme Court on the same day as Judice 
was Heritage Res., Inc v. NationsBank.26  This case dealt with transportation costs but 
offers insight as to deduction of compression costs because of the wording of the 
royalty clauses.  The lessor Heritage was paying gas royalties under three different 
leases.  The royalty clauses were not identical, but all three leases required payment of 
royalty at “the market value of the well.”  Further, all three stated: “Provided, however, 
there shall be no deductions from the value of the lessor’s royalty by reason of 
processing, cost of dehydration, compression, transportation or other matter to market 
such gas.”  The lessor NationsBank was a trustee for the royalty owners.  Upon receipt 
of royalty payments, NationsBank noticed that the lessor was deducting for 
transportation charges and objected.  This required the court to interpret the relevant 
part of the royalty clauses. 
 The court concluded that “market value at the well” meant the value of the lessor’s 
royalty was the value at the well.27  Thus, expenses after the gas reached the earth’s 
surface were to be shared by the royalty owner.  Although the deduction in this case 
was for transportation, there is little doubt that the same conclusion would have been 

                                                   
 
 
23 Id. at 1411. 
24 Id. at 1411-12. 
25 Judice at 135. 
26 939 S.W.2d 118 (Texas 1996). 
27 Id. at 122. 
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reached had the charges been for compression.  The court, also looking at the provision 
that prohibited post-production charges, concluded that the prohibition of those 
charges directly conflicted with the “mouth of the well” clause.  In deciding how to 
interpret the two contradictory statements, the court held that “the commonly accepted 
meaning of the ‘royalty’ and the ‘market value at the well’ terms renders the post 
production clause in each lease surplusage as a matter of law.”28 
 In the seven-to-two decision, the dissenting justices argued that the royalty clause 
did not allow the deduction of transportation costs.29  The dissenters noted that the 
parties were sophisticated and had negotiated contract terms at arm’s length.30  The 
dissenters further criticized the majority for failing to give “proper legal effect to 
specific language in the contracts which clearly denotes the parties’ intent that ‘there be 
no deduction from the royalty.’”31  A motion by NationsBank for rehearing was denied, 
with a four-to-four vote.32  In the dicta in the motion’s denial, one of the justices made it 
clear that only one of his colleagues still supported the previous majority in the Judice 
decision.33  The main inference from the dicta was that the court was not going to 
change its interpretation of “mouth of the well” in a royalty clause.  However, the 
second clause prohibiting post-production costs could be interpreted as more than 
surplusage, possibly even controlling the “mouth of the well” clause, and thus not 
allowing for deductions. 
 

B. ROYALTY OWNERS DO NOT SHARE IN COMPRESSION COSTS 
 
 Three Texas cases provide further insight into charging royalty owners for 
compression costs.  One case distinguishes between production compression and post-
production compression.  The other two provide examples of royalty clauses in which 
post-production charges to royalty owners were not allowed.  One of these specifically 
deals with compression and the other with plant products. 
 In Parker v. TXO Production Corp.34 the issue of charging royalty owners for 
compression costs was raised by the plaintiff, Parker.  The trial court ruled that the 
operator TXO could charge for compression costs, a decision the court of appeals 
reversed.  After looking at the trial court record, the court of appeals determined that 
the royalty clause and charges for compression were not relevant because compression 
was a production cost.35  The court specifically pointed out that the production engineer 
for TXO testified that the purpose of the installation of compressors was to increase 
production from the wells.  The court also stated that the trial court record did not show 
any evidence that the purpose was to enable TXO to deliver gas into the pipeline 
system.36 This case makes it clear that royalty owners do not have to pay for 
compression associated with increasing production.  While the case does not go into the 
specifics of the engineering associated with compression that increases production 

                                                   
 
 
28 Id. at 123. 
29 Id. at 131. 
30 Id. at 132. 
31 Id. at 131.  
32 Heritage Res. Inc. v. NationsBank, 960 S.W.2d 619 (Tex. 1997). 
33 Id. at 620. 
34 716 S.W.2d 644 (Tex. App. — Corpus Christi 1986)  
35 Id. at 648. 
36 Id. 
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versus compression used to transport gas, it is apparent that deduction of compression 
charges to royalty owners must involve compression for transportation purposes. 
 A second case that involved a royalty clause in which deductions for compression 
were not allowed is Judice v. Mewbourne Oil Co.37  This case involved three different 
royalty clauses.  As discussed previously, two of the clauses were interpreted to allow 
compression charges.  A third was looked at but not interpreted by the courts because 
the parties agreed that it did not allow deduction of compression charges to royalty 
owners.38  The royalty clause in that lease provided:  
 
 Lessee shall pay to Lessor as royalty on gas, … 3/16 of the net 

proceeds at the well received from the sale thereof, … as to all gas 
sold by Lessee under a written contract, the price received by Lessee 
for such gas shall be conclusively presumed to be the net proceeds at 
the well … for gas so sold.39 

 
It is noteworthy that the court chose to include this third royalty clause when the 
clause’s interpretation was not being contested.  Part of this royalty provision in Judice 
is a “net proceeds at the well” clause identical to Martin v. Glass40 in which compression 
costs were allowed to be charged to royalty owners.  The difference from the Martin 
case lies in the last sentence in the Judice clause.  That sentence defines net proceeds at 
the well as the price received by the lessee under a written gas sales contract.  Thus, 
where the parties define terms -- even when they are different from the customary ones 
-- the parties’ definition is followed.  Here the wording defines net proceeds as the price 
received under a written gas contract.  One reading this case could infer that the court 
was sending a message that royalty clauses need to be written with the same clarity. 
 An example of another case in which post-production costs were not allowed 
because of the royalty clause wording is Yturria v. Kerr-McGee.41  This case dealt with 
several leases and payment of royalty on hydrocarbons processed in a recovery plant.  
The clauses provided for royalty payment on liquefied hydrocarbons processed at the 
plant by stating:  
 
 Lessor shall receive as royalty one-fourth (1/4th) of seventy-five 

percent (75%) of all plant products, or revenue derived therefrom, 
attributable to gas produced by Lessee from the lease premises.…  
Lessor’s royalty shall never bear either directly or indirectly, any 
part of the costs or expenses of production, gathering, dehydration, 
compression, transportation … of the oil or gas from the leased 
premises, nor any part of the costs … of any plant or other facility or 
equipment for the processing or treating of said oil or gas produced . 
. . .42 

                                                   
 
 
37 939 S.W.2d 133 (Tex. 1996). 
38 Id. at 135. 
39 Id. 
40 571 F. Supp. 1406 (N.D. Tex. 1983). 
41 Yturria v. Kerr-McGee Oil & Gas Onshore, LP ,No. 7:05-cv-181, 2006 WL 3227326 (S. D. Tex. Nov. 
6, 2006). 
42 Id. at *2. 
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 Because this clause did not use “gross,” “net,” nor “mouth of the well” terms, the 
court distinguished it from Heritage.43  Additionally, the court stated that the provision 
“shall never bear” clearly prohibited the deduction of plant processing charges.44  While 
this case did not deal directly with compression costs, it can be deduced that the same 
outcome would have resulted from a compression charge issue.  This is because 
compression was one of the charges prohibited in the clause.  This precedent-setting 
case shows how royalty owners can avoid paying compression costs.  Their contracts 
must not use verbiage that creates conflict, such as “mouth of the well,” “at the well,” 
“gross,” or “net proceeds.” 
 

IV. OKLAHOMA CASE LAW 
 
 In dealing with Oklahoma case law that interprets oil and gas lease royalty clauses, 
the focus shifts dramatically because of that state’s interpretation of the lessor’s implied 
covenant to market oil and gas once it is discovered.  Oklahoma and Texas both 
recognize the implied covenant to market.45  The difference between the two states’ 
interpretation of that implied covenant is cost allocation.  Oklahoma case law dictates 
the cost of marketing to be part of the implied covenant to market while Texas does 
not.46  Thus, in Oklahoma, the implied covenant to market (including costs) trumps 
wording in royalty clauses such as “market value at the well.”  This means that 
Oklahoma case law mostly turns on when raw gas is considered marketable.  
Compression charges assessed to royalty owners are not allowed until the lessor has 
gas in a marketable form. 
 

A. ROYALTY CLAUSES AND COMPRESSION CHARGES 
 
 Two main Oklahoma cases give insight as to when a lessor can charge a royalty 
owner for his proportionate share of compression costs.  The first case is Wood v. TXO 
Prod. Corp.47 On a certified question sent to it from the U.S. District Court for the Eastern 
District of Oklahoma, the Oklahoma Supreme Court answered the following: “Is an oil 
and gas lessee/operator who is obligated to pay the lessor ‘3/16 at the market price at 
the well for the gas sold’, entitled to deduct the cost of gas compression from the 
lessor’s royalty interest?”48  In this case, two gas wells initially produced at a pressure 
sufficient to enter the purchasers’ pipeline.  After a period of time, the natural gas 
reservoir pressure dropped too low to be delivered into the delivery line.  TXO then 
built two compression stations on the lease and began deducting the royalty owners’ 
proportionate share of the compression costs.  The court answered the certified question 

                                                   
 
 
43 Id. 
44 Id. at *9. 
45 See Cabot v. Brown, 754 S.W. 2d 104, 106 (Tex. 1987); McVicker v. Horn, 322 P. 2d. 410, 412 (Okla. 
1958). 
46 Compare Wood v. TXO Prod. Corp., 854 P.2d 880, 882 (Okla. 1993) (expressing the Oklahoma 
approach), with Heritage Res. Inc. v. NationsBank, 939 S.W.2d 118, 129 (Tex. 1996) (articulating the 
approach taken by most Texas courts). 
47 854 P.2d at 882. 
48 Id. 
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in the negative, prohibiting deduction.49  The reason given was that the lessee’s implied 
duty included the cost of preparing the gas for market and that without the on-lease 
compression the gas could not be marketed.50  The court further justified its decision by 
making two points.  First, royalty owners had no input into cost-bearing decisions like 
working interest owners did under operating agreements.51  Second, when mineral 
owners choose to lease, they also chose not to be involved in these types of marketing 
costs.52 
 The second case giving further insight as to when a lessor can charge a royalty 
owner for his proportionate share of compression costs is Mittelstaedt v. Santa Fe 
Minerals Inc.53  This case involved two wells where compression operations were 
performed at the wellhead.  The royalty owners were not charged for these costs.  As 
the gas moved downstream, additional compression was needed to place the gas into 
the purchaser’s pipeline.  This second phase of compression was done by an 
unaffiliated third party beyond the boundaries of the two producing leases.  The lessee, 
Santa Fe Minerals, charged the royalty owners their proportionate part of the second-
phase compression.  The royalty owners objected.  The Oklahoma Supreme Court 
received this case as a certified question from the U.S. Court of Appeals for the Tenth 
Circuit.  The certified question asked: “[I]s an oil and gas lessee who is obligated to pay 
‘3/16’ of the gross proceeds received for the gas sold entitled to deduct a proportional 
share of transportation, compression, dehydration, and blending costs from the royalty 
interest paid to the lessor?”54  The court answered by stating:  
 

We conclude that this clause, when considered by itself, prohibits a 
lessee from deducting a proportionate share of transportation, 
compression, dehydration, and blending costs when such costs are 
associated with creating a marketable product.  However, we 
conclude the lessor must bear a proportionate share of such costs if 
the lessee can show (1) that the costs enhanced the value of an 
already marketable product, (2) that such costs are reasonable, and 
(3) that actual royalty revenues increased in proportion with the 
costs assessed against the nonworking interest.  Thus, in some cases 
a royalty interest may be burdened with post-production costs, in 
other cases it may not.55 
 

 Therefore, the court established a three-prong test for when compression costs 
become proportionately shared by the royalty owners.  This test makes it clear that 
there are times and places when costs shift to royalty owners even under an implied 
covenant to market.  This means that whether compression costs can be proportionately 
charged to the royalty owner must be determined on a case-by- case basis. 
 Looking at the Wood and Mittelstadt cases, it is clear that compression occurring on 

                                                   
 
 
49 Id. at 883. 
50 Id. 
51 Id. 
52 Id. 
53 954 P.2d.1203 (Okla.1998). 
54 Id. at 1204-05.  
55 Id. at 1205. 
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the lease premises is not chargeable to the royalty owner.  However, when compression 
occurs off lease, it is possible that the lessor may have to share in a proportionate part of 
the cost.  To force the lessor to share in the cost, the lessee must prove that the 
compression enhanced an already marketable product, the costs were reasonable, and 
royalty revenues increased in proportion to the costs assessed to the royalty owners. 
 

V. CONCLUSION 
 
 Historically, many oil and gas leases have been entered into using preprinted 
forms.  Such forms usually contain royalty clauses that clearly identify the lessor’s 
percentage of royalty.  However, these clauses have not covered in sufficient detail who 
bears the burden of the cost of compression when it is necessary on a gas well.  This is 
because the royalty clauses use vague terms such as “at the well,” “at the mouth of the 
well,” “net proceeds,” and “amount realized.”  In determining allocation of 
compression costs, Texas and Oklahoma have taken different approaches.  Generally in 
Texas, royalty clauses have been read to require royalty owners to pay their 
proportionate share of compression costs; whereas in Oklahoma, these clauses have 
been read to assign compression costs to the lessee entirely. 
 The basic difference between the two outcomes resides in the particular state’s 
approach to the implied covenant to market raw natural gas.  In Texas, the lessee’s 
implied covenant to market does not cover costs of marketing.  In Oklahoma, it does. 
This, in turn, means that lessees in Oklahoma need to be careful when entering into an 
oil and gas lease.  If the lease royalty clause does not specifically cover allocation of 
compression costs, the lessee will incur such costs until the raw natural gas is deemed 
marketable.  In Texas, the lessor needs to be careful when entering into an oil and gas 
lease for a different reason.  If the lease’s royalty clause does not specifically cover 
allocation of compression charges, the lessor will incur his proportionate cost.  
 Oil and gas leases contain specific clauses that deal with the economic risks and 
benefits both the lessor and the lessee will incur.  Such leases are clear as to economic 
risks and benefits in the areas of bonus, delay rentals, and percentage of royalty.  
Likewise, oil and gas leases are clear as to who has the risk and cost of drilling.  
However, these same leases traditionally have been poorly worded and negotiated as to 
allocation of potential costs of compression in gas wells.  It is a conflict in outcomes that 
compression costs are generally charged to the lessor in Texas and to the lessee in 
Oklahoma.  The bargaining position of the lessor and the lessee in determining bonus, 
delay rental, and percentage of royalty should depend on the risk involved for both 
parties, not by which state the well will be drilled in.  The same can be said for 
allocation of compression charges.  Drilling a wildcat well is riskier than drilling an 
infield one.  When drilling a wildcat well, the lessee is in a stronger bargaining position 
than the lessor because of that risk. 
 It follows, then, that bonuses, delay rentals, and percentage of royalty will be 
lower.  In the same way, allocation of compression costs should also be shared by the 
royalty owner.  Conversely, when drilling an infield well, the lessor enjoys a stronger 
bargaining position than the lessee.  It follows that bonuses, delay rentals, and 
percentage of royalty will be higher.  Additionally, data from nearby wells will be 
available for the parties to estimate potential costs of compression.  If such costs tend to 
be low, the lessor will be in a position to avoid compression charges.  If such costs are 
high, the lessee will be in a position to negotiate for the lessee to pay his proportionate 
share.  No matter the parties’ bargaining position, lessors and lessees need to make sure 
that the royalty clause in all leases covers in detail how costs of post-production 
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compression will be calculated.  Determining proper wording in royalty clauses can be 
accomplished by using the cases cited as guidelines.  Some cases show wording to 
avoid and others indicate specific wording to include.  Without such rigorous attention 
to detail, the courts of Oklahoma and Texas will continue to allocate compression costs 
without regard to the economic fairness of doing so. 


